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Accurate determination of permeability is essential and challenging in organic-rich shales due to the
tight and heterogeneous nature of shale formations, the presence of lamination as well as induced or
natural fractures and the sensitivity of fracture permeability to stress. The tight nature of shale formation
makes the traditional steady-state method not to be practical. Therefore, unsteady state methods such as
pulse decay or crushed-sample have been practiced for shales. However, the pulse decay method can be
still time consuming and the crushed-sample method is size-dependent as our numerical simulations
show. As an alternative method, the results of complex transient method are presented. Moreover, the
presence of lamination and fractures causes directional dependency of permeability. To characterize this
type of anisotropy, three-plug method is usually applied. However, the variation of permeability with
location causes this method to be unreliable in heterogeneous formations. Similarly, the presence of
artiﬁcial micro-fractures affects the reliability of the permeability measurement in shales. Using variety
of methods to measure permeability, the effects of these anisotropic and heterogeneous features under
stress are discussed.
& 2015 Elsevier B.V. All rights reserved.
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1. Introduction
Well-developed laminations originate from quiet and deep
anaerobic depositional environment (O’Brien and Slatt, 1990). Lamination in shale reservoirs is usually attributed to the alignment
of platy particles such as clays. The natural tendency of clay particles to be aligned in parallel orientation reduces the tortuosity in
the direction of particle alignment compared to the tortuosity in
the perpendicular direction to the clay particle alignment. Ten
orders of magnitude difference in the permeability of mudstones
at a given porosity was reported by Dewhurst et al. (1999). This
signiﬁcant variation in permeability at speciﬁc porosity was attributed to the grain size variations in the mudstones. The coarsergrain mudstones are more permeable but the difference diminished at higher effective stresses due to the collapse of larger
pores. Consolidation tests on several artiﬁcial clays by Clennell
et al. (1999) showed that uniaxial consolidation alone produces
little anisotropy which is much lower than the predicted values by
the clay alignment models. The discrepancy was attributed to the
particle clustering and irregularities in particle packing. Although
clay alignment can be also source of anisotropy in organic-rich
shales, it should be considered that organic-rich shales usually are
n
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not dominated by clay (Hart et al., 2013), thus their anisotropic
features can be different from the seal shales with high clay content. Micro-fractures are abundant in organic-rich shales. Microfractures can be created during hydrocarbon generation and expulsion (Berg and Gangi, 1999; Lash and Engelder, 2005; Lewan
and Birdwell, 2013; Al Duhailan et al., 2013). The lenticular shape
of kerogen has an impact on the shape of created micro-fracture
and this lenticular distribution of kerogen can cause anisotropy in
wave velocity (Vernik and Milovac, 2011). Moreover, regional
structural activities can create natural fractures (Gudmundsson,
2011; Fossen, 2010) which are not necessarily aligned with the
current maximum horizontal direction (Laubach et al., 2004).
On the other hand, fractures can be artiﬁcially introduced to
shale samples as a result of the stress release during the coring;
core transfer and core plug preparation for laboratory studies.
Shales can be fractured in water due to capillary suction of water
causing gas entrapment and ﬁnally tensile fracturing of the shale
sample (Schmitt et al., 1994; Mitchell, 2001). Signiﬁcant anisotropy
in the illite-rich shale of Wilcox formation was reported at low
effective stresses (Kwon et al., 2004). Permeability became increasingly isotropic with the increase in the effective stress. This
behavior was attributed to the closure of crack-like voids parallel
to bedding with stress. Bolton et al. (2000) observed permeability
anisotropy in ﬁne-grained sediments that did not show particle
alignment using SEM analysis. The signiﬁcant anisotropy was attributed to the parallel micro-fractures based on mercury-

M. Mokhtari, A.N. Tutuncu / Journal of Petroleum Science and Engineering 133 (2015) 496–506

497

intrusion porosimetry data. It is critical to distinguish natural
fractures from the induced one as the presence of fractures and
heterogeneity can have signiﬁcant impact on the laboratory evaluation of permeability data (Kamath et al., 1992; Honarpour et al.,
1995; Suarez-Rivera et al., 2012; Sinha et al., 2012; Cui et al., 2009).
Fractographic techniques are useful to distinguish between natural
fractures and the coring or handling-induced fractures (Kulander
et al., 1979). Horizontal natural fractures often show the indications of past tectonic activity. The frictional movement of fracture
surfaces causes directional dependency of surface roughness
called slickenside. Moreover, there is often secondary ﬁbrous or
non-ﬁbrous mineral growth. Vertical natural fractures are very
uncommon in conventional coring since there is low possibility of
drilling widely-spaced vertical fractures in a vertical wellbore.
Handling induced fractures usually indicate a powder zone at the
point of impact on the outer core surface.
The sensitivity of fractured medium in porous media is important as discussed by Best and Katsube (1995), Walsh (1981),
Dewhurst et al. (1999), Bolton et al. (2000), Kwon et al. (2004),
Gudmundsson (2011), Cho et al. (2013), Honarpour et al. (2012),
Bedayat and Taleghani (2012) and Bedayat and Dahi Taleghani
(2015). This stress sensitivity is even more critical in organic-rich
shales since the production from such tight formation totally depends on massive hydraulic fracturing. Classically, a propping
agent such as sand has been used to avoid fracture closure in
hydraulic fracturing (Clark, 1949). Similarly in shale reservoirs,
closure of micro-fractures without proppants has been a concern
(Nguyen et al.. 2013). On the other hand, equal or better performance with low-proppant concentration (waterfracs) compared to
classical fracturing in tight formations was reported by Mayerhofer
et al. (1997). This phenomenon can be attributed to the fracture
shear displacement (Fredd et al., 2001) in a rough fracture and the
complex fracture network that a low-viscosity ﬂuid can create.
However, one should consider that water damage to matrix and
fracture can be an issue in shale reservoirs (Bertoncello et al.,
2014) but this issue is not discussed here since the experiments
are conducted with gas.

2. Theory and the experimental procedure for permeability
measurement

Fig. 1. Comparing the time required to saturate a sample of Darcy permeability
with the sample of nano-Darcy permeability.

Shale reservoirs have extremely low permeability which make
the permeability measurement challenging. For instance, the time
to saturate a shale sample is signiﬁcantly higher than the time
required saturating a conventional core sample as simulated in
Fig. 1. Fluid ﬂow in core samples is simulated using COMSOL
Multiphysics in which the transient pressure diffusion equations
are numerically solved using ﬁnite element method. The simulation results show that it takes 42 h to increase the pore pressure of
a 1 nD (nano-Darcy) sample from 5 MPa to 6 MPa while the
sample of 1 D (Darcy) permeability takes 150 ms to apply similar
pressure increase. Therefore, several other methods besides the
conventional steady state method have been developed to address
the ultra-low permeability measurement such as the permeability
measurement in shale reservoirs. In this section, a review of these
methods and their simulation are presented.
2.1. Steady state method
Steady state method is the routine method to measure permeability of conventional core samples. In steady state method,
ﬂuid ﬂows through core cross-sectional area as shown in Fig. 2.
Pressure loss along the core is measured to calculate permeability
according to Darcy's law.

Fig. 2. Conﬁguration of permeability measurement in steady state method.

k=

−qμL
A ΔP

(1)

where “k” is the permeability, “q” is the ﬂow rate, μ is the ﬂuid
viscosity, “L” is the length of the core, “A” is the cross-sectional
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area, and ΔP is the pressure loss along the core. In the simulation
example in Fig. 2, the injection velocity is 10−4 m/s, viscosity is
0.001 Pa  s, the core length is 0.0762 m and the simulation
provides the pressure loss along the core to be 7620 Pa. Therefore,
the permeability is calculated to be 10−12 m2 which is exactly
similar to the input permeability in the simulation. Since steady
state method is signiﬁcantly time consuming in shales, transient
methods of permeability measurement have been developed.
However, steady state method is still recommended by some
authors due to the deﬁciencies in the other methods and the
consistency of the results from the steady state method (Bertoncello and Honarpour, 2013). Due to the small pore size in shale
reservoirs, Knudsen diffusion (Darabi et al., 2012) and adsorption
(Cui et al., 2009) can be a contributing factor in ﬂuid ﬂow in shales
which are not considered in this paper.
2.2. Crushed sample (GRI) method
Fig. 4. The upstream pressure decline in the crushed sample method.

To reduce the experimental time for the measurement of permeability in tight formations, crushing the rock sample to small
pieces was proposed (Luffel et al., 1993). The conﬁguration of the
crushed-sample method (or GRI method) and simulation of ﬂuid
ﬂow in this experiment is shown in Fig. 3. The crushed sample is
placed in the downstream pressure vessel and it is pressurized to
Pdown0 . The upstream pressure vessel is pressurized to Pup0 . After
the upstream pressure is stabilized, the valve between the upstream and downstream reservoirs is opened. Gas ﬂow from the
upstream reservoir to downstream reservoir and diffuses very
rapidly to the void spaces in the downstream reservoir followed by
gradual ﬂow to the crushed core samples until the pressure in
both vessels reach equilibrium. Using Boyle's law and constant
compressibility factor, porosity (∅) can be calculated (Cui et al.,
2009) using Eq. (2)

∅ = ⎡⎣Vup Pup0 − Pe + (Vdown − Vb )(Pdown0 − Pe ) ⎤⎦/(Pe − Pdown0 ) Vb

(

)

(2)

where Vup is the volume of the upstream reservoir, Vdown is the
volume of the downstream reservoir, Pup0 is the initial upstream
pressure, Pdown0 is the initial downstream reservoir pressure, Vb is
the bulk volume of the crushed samples, and Pe is the equilibrium
pressure. In simulation of Fig. 4, the equilibrium pressure is
81.75 Pa, while the initial pressure in the upstream reservoir is
100 Pa and the initial pressure in the downstream reservoir is
20 Pa. Moreover the reservoir volume is 0.0015 m3 and the bulk
volume is 0.001178 m3. Consequently the porosity is calculated to
be 0.103 compared to the input porosity of 0.100 in the simulation.

The upstream pressure decline (Fig. 4) can be used to calculate
permeability (Cui et al., 2009). However, the result of permeability
measurements varies by different vendors using crushed sample
method (Tinni et al., 2012; Sinha et al., 2012). The simulation of
crushed sample test at two different sample sizes is shown in
Fig. 5. The diffusion is faster in the smaller samples since the
surface area is higher; however, the equilibrium pressure is similar
(Fig. 6). Therefore, permeability calculation using crushed sample
method is sample-size dependent but porosity measurement is
not a function of sample size.
2.3. Pore-scale modeling method
With the advances in imaging techniques, it is possible to
capture high resolution images of small pores in shales using focused ion beam (FIB) SEM as reported for many organic-rich shales
by Camp et al. (2013). A FIB SEM image of an Eagle Ford shale
sample is shown in Fig. 7. The sample was ion milled to obtain the
next image; subsequently the stack of these images can be used to
create a three-dimensional pore network by image analysis.
However, these images are in very small scale, so there is uncertainty in the upscaling of permeability results from FIB SEM
images.
When the pore network geometry is constructed, it is possible
to do ﬂuid ﬂow simulation using computational ﬂuid dynamics
(CFD) techniques as discussed by Dewers et al. (2012). The velocity
proﬁle of an artiﬁcial high porosity and unconsolidated core is

Fig. 3. Time-dependent ﬂuid ﬂow in the crushed sample method.
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Fig. 5. Effect of crushed sample size on pressure diffusion.

Fig. 8. Velocity proﬁle in pore scale modeling (the geometry is courtesy of COMSOL
Multiphysics). The white color is grain components of the rock sample.
Fig. 6. A comparison of the pressure decline as a function of crushed sample size.

shown in Fig. 8. Pressure loss along the core can be obtained from
this simulation (Fig. 9) and permeability can be calculated
accordingly.
2.4. Pulse decay method
In pulse decay method, an apparatus is consisted of an upstream and a downstream reservoir and a core holder in the
middle (Fig. 10). Initially all three components are ﬁlled with gas to

reach an equilibrium state of 5.0 MPa and a pressure pulse of
0.5 MPa is applied to the upstream reservoir. Instead of a constant
volume upstream pressure pulse, it is possible to keep the upstream pressure constant (Metwally and Sondergeld, 2011; Heller
et al., 2014). The valve between upstream reservoir and core is
opened and gas ﬂows from the upstream reservoir to the core
sample and followed by ﬂow to the downstream reservoir. Pressure transducers are installed on the upstream and downstream
reservoirs. Upstream pressure decreases and downstream increases with time (Fig. 11). The pressure diffusion is based on Eq.

Fig. 7. FIB SEM image of a shale sample (right) and the created pore network (left).
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Fig. 9. Pressure loss in pore scale modeling.

Fig. 12. Semi logarithmic plot required to obtain permeability by the pulse decay
method.

the pressure, x is the distance and k is the permeability. Brace et al.
(1968) assumed the terms in the brackets to be negligible and
solved Eq. (4) to reach Eq. (5) to predict the decline of the
upstream pressure. Semi logarithmic plot of Eq. (5) should be
linear (Fig. 12) with slope of ɑ to calculate permeability by Eq. (6).

∂ 2P
=0
∂ 2x

(4)
⎡⎛

⎞

(5)

⎛ αμβLVdown Vup ⎞
⎟⎟
k = ⎜⎜
⎝ Vdown + Vup ⎠

(6)

⎣

Fig. 10. The conﬁguration of pulse decay method and the pressure response with
time.

⎤

⎟⎟ + Vdown ⎥ e−αt
(Pup − Peq ) = Δp ⎢⎢ ⎜⎜⎝ Vdown
⎥
Vup ⎠
⎦

where Pup is the upstream pressure as a function of time, Peq is the
equilibrium pressure, Δp is the pressure pulse at the beginning of
the experiment, Vdown is the downstream reservoir volume, Vup is
the upstream reservoir volume, and L is the sample length. Permeability was calculated to be 1.83 × 10−19 m2 which is 8.35%
lower than the input permeability in the simulation. The discrepancy between the numerical simulation and the analytical
solution is due to both the numerical error as well as the analytical
error in the derivation of Eq. (6) (Hsieh et al., 1981).
2.5. Complex transient method

Fig. 11. The simulation of upstream and downstream pressure responses in the
pulse decay method.

(3) (Brace et al., 1968)

⎛
βs ⎞ ⎤ ∂P
⎛ μβ ⎞ ⎡ βeff − βs
∂ 2P
= ⎜ ⎟⎢
+ ∅ ⎜1 − ⎟ ⎥
⎝ k ⎠⎣
β
β ⎠ ⎦ ∂t
⎝
∂ 2x

(3)

where μ is the viscosity, ∅ is the porosity, β is the ﬂuid compressibility, βeff is effective rock compressibility, t is the time, P is

In the complex transient method or pressure oscillation
method (Fischer, 1992; Boitnott, 1997; Bernabe et al., 2006; Song
and Renner, 2007), upstream pressure is oscillated in sinusoidal or
stepwise manner and the response in downstream pressure is
used to calculate permeability. In the simulation in Fig. 13, the
upstream pressure, core pore pressure and the downstream
pressure are all held constant initially at 5 MPa. The upstream
pressure is then decreased to 4.5 MPa and is held constant for a
constant period of time. Then, the upstream pressure is increased
to 5.5 MPa and it is held constant. Finally the upstream pressure is
back to its original value of 5 MPa and it is held constant for the
speciﬁc period of time. The downstream pressure response is recorded (Fig. 14) to history match for calculating permeability. This
method is quick and the ﬁnal pressure is similar to the initial
pressure, so the next experiment can be immediately started
without the need to saturate the core again.
As permeability decrease, the pressure diffusion decreases, so
there is a delay between the change in upstream pressure and the
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Fig. 15. Effect of permeability on pressure response in the complex transient
method.

Fig. 13. The upstream pressure program and downstream pressure response in
complex transient method.

Fig. 16. Effect of porosity on pressure response in the complex transient method.

Fig. 14. The upstream pressure program and the downstream pressure response in
complex transient method.

response in the downstream pressure. Moreover, the amplitude of
the downstream pressure decreases (Fig. 15). On the other hand,
the downstream pressure response becomes faster and higher
amplitude as porosity decrease (Fig. 16). One of the challenges of
this method is to select adequate frequency to run the experiment
(Fig. 17). Higher frequency is preferred since it means less time to
complete the experiment. However, the downstream pressure
respond might not be enough to do data analysis for permeability
measurement if the frequency is not low enough.

Fig. 17. Effect of frequency on pressure response in the complex transient method.

3. Results

3.1. Hysteresis in the permeability of a black shale

Applying the pulse decay, complex transient, or crushed-

sample methods, the permeability is measured on variety of shale
samples. The effect of heterogeneity, anisotropy, stress and hysteresis are discussed.

Permeability of a preserved shale sample (Fig. 18) was
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Fig. 21. Hysteresis in porosity and permeability of a Berea sandstone sample.

Fig. 18. A preserved black shale sample for complex transient permeability testing.

measured by complex transient method. The experimental data of
downstream pressure response was matched with simulation data
to obtain permeability (Fig. 19). Consequently, permeability of the
shale sample was obtained at several conﬁning stresses up to
44 MPa and then the conﬁning stress was reduced. Permeability
decreases logarithmically with the increase of effective stress and
permeability is higher in the ascending conﬁning stress path
compared to the descending conﬁning stress path (Fig. 20). There
is signiﬁcant hysteresis especially at low effective stresses which
can be attributed to irreversible collapse of pores by applying
stress. To better elaborate the hysteresis in the black shale, hysteresis in permeability and porosity was also measured on a Berea
sandstone (more than 93% quartz content) as shown in Fig. 21. The
hysteresis of the sandstone sample is negligible compared to the
black shale. The higher hysteresis of the shale sample can be attributed to the soft mineral components compared to the quartz
content of the sandstone. There is also possible to have a microfracture in the shale sample, however, it is not possible to certainly
determine the existence of micro-fracture without a CT scan.
3.2. Impact of lamination, induced fracture and heterogeneity on the
permeability of Mancos shale

Fig. 19. Matching simulation data to experimental data to obtain permeability in
the complex transient method.

Fig. 20. Hysteresis in the matrix permeability measured by the complex transient
method.

Mancos is a cretaceous shale in Colorado between the Piceance
and Uinta basins. Mancos shale samples have 43 wt% quartz, 11%
illite, 9% kaolinite, 11% feldspar, and 22% carbonate. The samples
are from outcrop and they are organic-lean with 1.1 wt% of TOC.
Several vertical samples (M1, M2, M3, M5, and M6), one 45-degree
sample (M45) and one horizontal sample (MH1) were drilled in
the Mancos outcrop shale block (Fig. 22). The laminated structure
of Mancos shale is heterogeneous, e.g. there is variation in the size
and pattern of the laminations with position. Air drilling technique
was used to avoid the shale/water interaction issues. Pulse-decay
method by CMS 300 apparatus was used to measure the porosity
and permeability of Mancos shale. Porosity is in the range of 4–6%
(Fig. 23). The difference between the porosity of the vertical
samples shows the heterogeneity of the samples. The effect of
stress on the porosity of Mancos shale samples is negligible.
Permeability results for all the Mancos shale core samples are
shown in Fig. 24. It is evident that the vertical sample M6 demonstrates several orders of magnitude higher permeability than
other shale core samples. To investigate the cause of this anomaly,
CT scan images of sample M6 and M5 were obtained. A fracture
perpendicular to lamination was detected on the CT scan for
sample M6 (Fig. 25) which was not detectable by naked eye. The
width of the fracture is roughly 156 micro-meter. No fracture was
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Fig. 25. Vertical fracture in one of the Mancos shale samples (M6). Left: 1.5 in. core
scale and right: smaller scale and higher resolution CT scan.
Fig. 22. Directional cores used to analyze the permeability anisotropy in Mancos
shale.

Fig. 26. Permeability of Mancos shale sample excluding sample M6.
Fig. 23. Porosity of Mancos shale samples. M-1,M-2, M-3,M-5 and M-6 are vertical
samples. MH-1 is a horizontal sample.

permeability of the Mancos shale (Fig. 26). All the vertical samples
except sample M3 show lower permeability than the horizontal
sample. The higher permeability of sample M3 can be attributed to
the heterogeneity in the samples. All the shale core samples exhibit exponential decline in permeability with the applied effective
stress.

k = k 0 e−α × σ effective

Fig. 24. Permeability of Mancos shale samples.

detected for sample M5 by CT scan at similar resolution. Therefore,
it is due to the presence of the micro-fracture in sample M6
causing one order of magnitude higher permeability compared to
the twin vertical samples.
Excluding sample M6 with micro-fracture, it is possible to investigate the effect of lamination and heterogeneity on the

(7)

where ɑ varies between 0.0002 and 0.0006 for the intact Mancos
shale samples. ɑ of Mancos shale is almost two orders of magnitude lower than the ɑ of the black shale. This discrepancy can be
attributed to the high quartz content in Mancos shale or the
possible presence of micro-fracture in the black shale. Due to the
heterogeneity observed in the vertical samples, it is not possible to
make a general statement on the dependency of permeability on
lamination angle. However, the trend in Fig. 27 can be made if
sample M5 is chosen as the representative of the vertical samples.
Horizontal permeability is higher than the vertical permeability.
The horizontal to vertical permeability ratio at a constant effective
stress state varies between 3.9 and 4.4 using M5 sample as the
representative of vertical samples. The anisotropy is smaller
between 1.27 and 2.77 when the permeability of horizontal core
sample is compared to the permeability of M1 vertical core
sample. The 45-degree core sample shows lower permeability
than horizontal sample but higher than the vertical sample.Higher
resolutions of CT-scans were used to characterize the pore structure in Mancos shale (Fig. 28). The higher resolution CT scan shows
the connected pore spaces in Mancos shale in the range of mico-
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Fig. 27. Effect of lamination on permeability of Mancos shale (sample M5 was used
as the representative of the vertical samples).

Fig. 29. Permeability of all the Eagle Ford shale samples.

meter which results in higher permeability of Mancos outcrop
shale ( in the range of micro-Darcy) compared to the preserved
black shale in Fig. 20 (in the nano-Darcy range).
3.3. Permeability anisotropy in Eagle Ford shale: the role of microfractures in mature shales
The Eagle Ford core samples come from La Salle County in
Texas and they are tested as received. The Eagle Ford samples are
composed of 43–47 wt% calcite, 15–30 wt% clay, 13 to 15–25 wt%
quartz. The clay components are either illite or kaolinite and no
smectite was detected. The cores are from oil producing area with
the total organic content (TOC) of 6–7 wt%.
The permeability of the preserved Eagle Ford shale samples
were determined using pulse decay method by CMS 300. Since the
samples were tested as received, the permeability and porosity
results are not absolute values considering the presence of oil in
the pores. The results of gas permeability are shown in Fig. 29. The
tests were conducted at low effective stresses due to the limitation
of the apparatus, thus the permeability can be lower at the in-situ
stresses that Eagle Ford shale experiences. Horizontal permeability
is almost 4 times the vertical permeability at low effective stress
state. Horizontal permeability at high effective stress approaches
the vertical permeability at low effective stress. A micro-fracture
parallel to the bedding plane was identiﬁed as shown in Fig. 30
that could explain the higher permeability of the horizontal
samples in comparison to the vertical at low effective stress.

Fig. 30. Micro-fracture parallel to lamination in a horizontal Eagle Ford shale
sample.

Fig. 28. CT scan image of one of the Mancos shale samples shows connected pore network.
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Higher resolution fractures can be also identiﬁed in SEM imaging
analysis (Fig. 31). Fracture path usually deviates when approaching
foraminifera since foraminifera have higher strength. Fractures can
also terminate when reaching a foraminifera. These two phenomena cause tortuous paths for micro-fractures in Eagle Ford
shale. The permeability was also measured using crushed sample
(GRI) method. No stress is applied in conducting a GRI permeability testing. However, the GRI permeability is lower than the
pulse decay permeability at lowest measured effective stress and
the GRI permeability is almost similar to the pulse decay permeability at highest measured effective stress. This observation can
be attributed to the presence of micro-fractures in the plugs for
pulse decay method while there is less possibility having these
micro-fractures in GRI method. This observation is not a general
statement since the GRI permeability also depends on crushed
sample size and more investigation is required in comparing GRI
permeability with pulse decay permeability on plugs.
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nano-Darcy permeability. The effect of heterogeneity, lamination
and micro-fractures under stress were studied. The following
conclusions are drawn accordingly.
1. Numerical simulations show size-dependency of permeability
measurements by the crushed sample method.
2. Complex transient method was simulated to measure shale
permeability in nano-Darcy range. Complex transient method
is fast and reliable method to measure shale permeability as an
alternative to common pulse decay method. The effect of frequency, porosity and permeability on the pressure response in
complex transient method was discussed.
3. The permeability anisotropy using three-sample method (horizontal, vertical and 45-degree) can be unreliable if the samples
are heterogeneous at 1-inch scale. Similarly, artiﬁcial microfractures can be source of error in the measurement of permeability in organic-rich shales. CT scanning is essential to
make sure that the reported permeability is true matrix permeability rather than fracture permeability.

4. Conclusions
Five methods of permeability measurement in shale samples
was simulated and reviewed in this paper. Permeability was
measured in samples with Darcy, milli-Darcy, micro-Darcy, to

Fig. 31. Impact of foraminifera on fracture path detected by SEM images.
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